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ABSTRACT 
As operators draw down a well, massive quantities of gas are released into the wellbore 
which results in shut-downs and lost production. Using appropriate bottom hole 
assembly (BHA) best practices can help the operator pump through these gas slugs to 
maximize production and return on investment. Additionally, solid separation is an 
ongoing issue. Using a gas separator minimizes abrasion and corrosion related failures, 
keeping operating expenses lower. 
 
The problem is twofold: Gas interference can lead to poor pump efficiency and severe 
sand issues can lead to sticking and excessive wear and tear on the pump. Both 
problems lead to unnecessary and costly operational expenses due to well failures and 
overall poor system efficiencies.  
 
Maintaining proper gas and solid separation widens operator options in regard to 
optimization and improved well control. This paper focuses on an all-in-one system that 
effectively allows operation through gas rates as high as 1900 MCF, as shown in case 
studies presented in this paper. 
 
By maximizing separation area and minimizing downward fluid velocity, higher 
production rates are achieved in high gas-to-liquid ratio (GLR) environments. Installing 
this type of equipment reduces gas and sand interference, which in turn increases pump 
efficiency and extends the life of all downhole equipment.  
 
This paper presents the technology behind this combination gas and sand separation 
system and offers case study results that prove the positive impact of this tool on overall 
operating expenses. 
 

INTRODUCTION & BACKGROUND  

When producing unconventional wells, gas and solid separation can be the difference 
between a successful, proactive high revenue installation and an inefficient, reactive pit 
of lost production. During the fracking process, hundreds of perforations are made 
across the lateral, creating many zones with different permeability, porosity and 
reservoir conditions. 



As the operator draws down the well, lateral zones unload due to the decrease in 
hydrostatic pressure. As those zones unload, the wellbore is overrun with gas and 
solids. 

Gas interference causes premature shutdowns and lost production. Correct procedure 
by industry standards would call to pump through the gas as opposed to stopping the 
pump, which could allow gas and solids to accumulate in both the annulus and the 
pump. 

 

 

Figure 1: Casing Gas Rates in MCF using a multivariable transmitter. 

 

Figure 1 shows the erratic gas behavior that occurs on a well, often without operator 
knowledge. A single daily average of gas production is typically recorded but doesn’t 
show the whole picture.  

A well might average 50 MCF per day, but the quantity might fluctuate wildly throughout 
the day. Figure 1 shows how a casing gas rate can fluctuate from 8 MCF all the way up 
to 135.88 MCF and back down to 2.7 MCF in as little as 30 minutes. If the BHA was not 
designed in anticipation of this phenomenon, gas will overrun the separator and 
produce gas interference, which in turn causes a premature controller shutdown based 
on low fillage. This can cost the operator missed production and revenue. 
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Figure 2: Casing Gas Rates in MCF using a multivariable transmitter. 

 

Figure 2 shows another example where the extraordinary behavior of casing gas rates 
can be observed. In this instance, casing gas rates balloon up to 400 MCF from 155 
MCF in just a little more than 30 minutes; an increase of 250 MCF. This data was 
collected using a permanently installed fluid level device. 

Gas and solid separators are commonly used to improve efficiency on installations 
dealing with gas interference and solids. Two main types of gas separator exist: Poor 
Boy and packer style, cf. [2,4]. 

Solids passing through the pump can lead to erosion failures, which incurs costly 
repairs. [1] Two main types of solid separation exist: Mesh or vortex style, cf. [5]. 

A downhole tool called the Super MAX was designed specifically to mitigate gas and 
solids by utilizing the cross-sectional area between the inside diameter (ID) of the 
casing and the outside diameter (OD) of the separator body. Details on the procedure to 
design a properly fitted BHA are shared as are the concepts of total fluid rate and 
downhole fluid velocity. 

Results are presented to show stabilization of pump fillage, increase in production and 
runtime as well as decreased gas-to-liquid ratio. Case studies showing before and after 
data and downhole cards are also presented. 

 

BHA DESIGN REQUIREMENTS 

Downward fluid velocity (DVF), also known as bubble rise velocity, represents the rate 
gas bubbles rise in inches per second. Since bubble rise occurs at 0.5 feet per second 
in fresh water but faster in an oil and gas environment, bubble rise velocity is a critical 
data point. [1] 

401.76
400.1

399.64401.1394.16386.82376.18366.211362.16351.22346.54339.3330.66321.95312.01302.96281.36267.32252.6241.69 279.62268.05266.03263.03263272.87234.22229.59230.56207.49224.47210.09202.62189.95201.1206.51191185.9174.55161.59 155.39

0 50 100 150 200 250 300 350 400 450

flo
w

 rate

INTRAMINUTE CASING GAS RATES IN MCF USING 
GREENSHOT



Based on many field experiments as well as additional field tests, an industry standard 
has been set for DFV of 0.4 feet per second. This standard rate is a guideline for proper 
separation. If DFV stays under the standard rate of 0.4 feet per second, it is assumed 
the gas in solution stays in solution. However, if the DFV exceeds the standard rate, gas 
will break out of solution and eventually overpower the gas separator.  

 

 

Figure 3: Wellbore showing multiple frac zones and placement of the tool. 

 

Equation 1 shows the calculation of DFV and is a very important step in BHA designs. 
This equation takes into account the total barrel of fluid, the inner diameter of the casing 
as well as the outer diameter of the separator. 

𝑄 ∗ 0.0119

𝐼𝐷𝐶𝑆𝐺
2 − 𝑂𝐷𝑆𝐸𝑃

2 
= 𝐷𝐹𝑉 = 𝐷𝑜𝑤𝑛𝑤𝑎𝑟𝑑 𝐹𝑙𝑢𝑖𝑑 𝑉𝑒𝑙𝑜𝑐𝑖𝑡𝑦                               [1] 

 



 

Figure 4: Comparison of a Mother Hubbard (Poor Boy) searator versus the design of the 

updated packer style separator. 

 

 

Figure 5: Schematic of the packer style separator, marketed as the Super MAX. 

Constant 0.0119

ID of Poor Boy (in) 3

OD of Dip Tube (in) 1.05

Downward Fluid Velocity (ft/sec) 0.4

SEPARATION AREA (in2) 6.20

PRODUCTION LIMITS (BFPD) 265

Mother Hubbard Separator

Constant 0.0119

ID of 5.5" Casing (in) 4.778

OD of Separator (in) 1.9

Downward Fluid Velocity (ft/sec) 0.4

SEPARATION AREA (in2) 15.09

PRODUCTION LIMITS (BFPD) 646

Recommended Packer Style Separator



DESIGN OF THE SEPARATOR 

The separator design utilizes a solids separation portion marketed as the HELIX Sand 
Separator. The design of the solids separator includes a dual-channel, centrifugal vortex 
with a solids bypass tube. The outer tube is nine feet in length with a 3.75-inch OD and 
a 3-inch ID. The inner tube has a 2.375-inch OD with a 1.99-inch ID. The centrifuge is 
one foot long and consists of two flow channels of different pitches. The solids bypass 
tube is three feet long with a .675-inch OD and an ID of 0.493 inches. 
 

 
Figure 6: Structure of the dual-channel spiral. 

 

As shown above, the dual-channel spiral encourages heavier solids particles to fall into 

the lower channel while lighter fluids are retained in the higher channel. Solids are then 

funneled into the drain and eventually fall into the solids bypass tube, where they are 

then deposited into the mud joints. Fluid exits the bottom of the centrifuge and enters 

the pump suction. [3] 

The separator design also utilizes a gas separation portion marketed as the MAX Gas 
Separator. The design utilizes a dual hydrogenated nitrile butadiene rubber (HNBR) cup 
technology (NR-1) that effectively sumps the pump while reducing the risk of a stuck 
packer. By utilizing two inverted cups to seal the wellbore and eliminating any setting 
and unsetting mechanisms, the risk of ‘sticking’ the packer is eliminated. The weight of 
the fluid level above the top cup pushes down on the cup and creates the top seal. The 
inflow from the reservoir pushes up on the bottom cup, creating the bottom seal. The 
separator uses HNBR because of the material’s resistance to abrasion, which is an 
important factor when running the packer in and out of the hole. To ensure the best seal 
possible, a casing scraper run is recommended prior to running the separator. This 
practice is especially important in older wells that have already been producing for 
several years. Also, to prevent damage to the packer cups, it is recommended for the 



rig operator to run in the hole at a speed slower than 60 feet per minute. As an added 
safety factor, the separator features a four-by-20-foot shroud. This shroud on the OD of 
the tool protects the tool’s intake from any gas that does manage to leak by a damaged 
or improperly set packer. 
 
The separator is designed to create the greatest tool OD to casing ID ratio possible, 
allowing for a maximized cross sectional separation area in the annulus of the given 
wellbore. The separator is composed of a 1.9-inch tool OD for a full 40-foot length.  
 
By utilizing the ID of the casing and the OD of the tool housing, this tool allows for 
maximum cross-sectional separation area and therefore decreases the downward 
velocity of the fluid prior to pump entry. As a result, gas can escape naturally through 
the casing. The DFV must be slower than the bubble rise velocity for gas separation to 
occur. Assuming a maximum gas bubble rise velocity of 0.4 feet per second, the DFV 
equation can be used to calculate total pump displacement or barrels of fluid per day 
that can be effectively separated before overrunning the separator. Surpassing that 
number would cause the downward fluid velocity to exceed the bubble rise velocity and 
separation efficiencies would be limited. 
 

 

Figure 4: Two industry-standard solids separators compared to the new separator. 

 
S VORTEX SAND SEPARATOR CASE STUDY RESULTS 

Two industry-standard vortex solids separators as well as the newly developed solids 

separator component were tested in a well simulator. Solids with different mesh sizes 

and production rates were also tested. Screen-type separators were excluded from the 

test because of their propensity to plug off. [2] 

The desander component of the new tool operated with an efficiency of 95 percent, 40 

percent higher than the next closest industry standard separator, as shown in Figure 4. 

These findings are consistent with earlier research which indicates pumping unit speed 

and separator design likely causes efficiency to drop below 50 percent. 

The various types of gas separators may be simply evaluated through the use of 

straightforward calculations. The relationship between the cross-sectional separation 

area and fluid volume shows how crucial it is to maximize the separation area for higher 

gas separation efficiency. [3] By taking full advantage of the casing-tubing annulus 



rather than the tool’s dimensional variations, packer-style separators unquestionably 

produce the largest cross-sectional separation area. 

 

 

Figure 7: The 40-foot by1.9-inch gas separator, dual cup HNBR packer and 9-foot solids 

separator that form the Super Max System. 

 

As shown in Figure 7, fluids first enter the solids separator portion of the system, 

located below the NR-1 cup-type packer. Solids are then deposited into the mud joints, 



while fluid enters the ID of the packer and travels upwards inside the system for a full 40 

feet. Fluids are then expelled into the casing-tubing annulus where gas continues to rise 

up the casing annulus and fluids fall 40 feet back down to catch in the shroud. Once in 

the shroud, gas-free fluid enters the dip tube and rises back up, eventually entering the 

pump intake. 

 

RESULTS & DISCUSSION 

Well A results showcase production rates and downtime. The history of the well is 
showcased in Figure 8 and listed as follows:  

• Two-year DT ESP failure. 

• Return to production as ESP. 

• ESP failure. 

• Converted to sucker rod pump (SRP). 

• Super MAX system installed. 

• Sucker rod failure due to chemical (tubing not pulled). 

The key takeaways are that minimal production loss was incurred from ESP conversion, 
Well A still has the original Super MAX system installed since the conversion took place 
and that the well has produced up to 1900 MCF with an average of 1500 MCF. 

 

 

 

 

 

 

  

 

 

 

 

 

 

 

Figure 8: Well A Results; ESP Conversion to SRP. 



Well A is exhibiting steady operational trends with consistent run times, strokes per 

minute, peak and minimum loads, and closely matched inferred and actual production. 

The well has also been operated conservatively while maintaining production targets. It 

could be argued that the well has the potential to operate slightly more aggressive with 

increased max strokes per minute and lowering pump fillage set points to further draw 

the well down.  

 

 

 

 

 

 

 

 

 

 

 

 

 

 

Figure 9: Well A displaying operational trends. 

 

Well B results showcase production rates and downtime. The history of the well is 
showcased in Figure 10 and listed as follows:  

• 872-day run with a Mother Hubbard (Poor Boy) separator in place until 
failure. 

• Production returned with Super MAX system installation 

• 784-day run until failure. 

• Return to production with no design changes. 

The key takeaways are that total fluid production was increased, gas rates were 
increased while maintaining production targets and that the overall run life exceeded 
predicted estimates. 

 



 

 

 

 

 

 

 

 

 

 

 

Figure 10: Well B production trends from separator change. 

Well B, recent operational trends are displaying pump fillage inconsistencies due to 

increased gas rates represented in Figure 11. Well B is operating conservatively with 

potential to increase peak strokes per minute and adjust the minimum and maximum 

speed should the operator choose to do so. 

 



 

Figure 11: Well B operational design. 

 

 

 



 

 

 

 

 

Figure 12: Well B side loading presenting operational challenges. 

 

CONCLUSION 

The data presented in this paper shows that with proper gas and solid separation, well 
drawdown and production targets, extended run life is possible. If reducing sporadic 
SPM and pump fillage behavior as well as avoiding frequent premature shutdowns is 
the goal, this separator is an ideal candidate that allows maximum gas separation by 
utilizing casing ID and tool housing OD. Optimal production is capable with a carefully 
thought-out BHA design and optimization practices. 
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